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Abstract: CO2 sequestration in deep saline aquifers is a promising method to reduce atmospheric CO2.
The on-going CO2CRC Otway project aims to demonstrate the effectiveness of large-scale CO2

storage in deep saline formations and to develop new monitoring technologies in Australia. The relative
permeability curves are essential for predicting the movements of CO2 and estimate residual trapping
in the aquifer during and after injection through numerical simulations. However, studies of relative
permeability curves for the Paaratte sandstone at the in situ conditions are limited. In addition, different
rock types in the Paaratte formation can behave differently when CO2 displaces brine. This work
reports four relative permeability experiments of CO2/brine systems using the unsteady-state core
flooding method for different types of rock collected from various depths of Paaratte formations at
near-reservoir conditions. The relative permeability results calculated from the analytical Johnson,
Bossler, and Naumann (JBN) method and the numerical history matching method are compared. The
JBN method does not calculate the relative permeability accurately for CO2/brine systems due to the
assumptions of incompressible flow, since the CO2 relative permeability results calculated from the JBN
method are similar for all the cases. The history matching results show that the brine (water) relative
permeability of the core samples with a high fraction of macropores is similar to the measurements for
Paaratte formation reported in the literature over a large range of brine (water) saturation. In contrast,
the brine relative permeability of the core samples with a high fraction of micropores is considerably
higher than that of the core samples with macropores, suggesting better connectivity for the samples
with a high fraction of micropores. The new findings will be useful in reservoir-scale numerical
modelings of the Paaratte formation to more accurately predict the movement of CO2 during and after
the injection. © 2021 Society of Chemical Industry and John Wiley & Sons, Ltd.
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Introduction

Carbon capture and storage in depleted
reservoirs and deep saline aquifers play
an important role in reducing CO2 atmospheric

concentration, a leading cause of global warming.1 The
long-running CO2CRC (The cooperative research
center for greenhouse gas technologies) Otway project
has been demonstrating the feasibility of CO2 storage
in depleted gas reservoir and deep saline formations in
the Otway Basin, in Victoria, Australia, through Stage 1
and Stage 2, respectively.2 The injected and stored CO2
in the saline formation requires long-term monitoring.
Hence, in Stage 3, the project aims to develop a
cost-effective subsurface monitoring system by
reducing the surface footprint.3 An injector CRC-3
well was drilled and will be used for a small injection of
CO2 (< 30 000 tones) for the project.4 A
comprehensive site characterization in the Otway basin
is essential in evaluating the injection performance,
and understanding the migration of the CO2 plumes
after injection using numerical tools. Due to the
heterogeneity of the saline reservoir, site
characterizations are challenging. Recently, Mishra
et al. (2019) carried out a high-resolution rock
characterization for the two parasequences from the
lowermost units of Paaratte formation using rock
properties such as porosity, permeability, capillary
entry pressure, mineral composition, and grain size
distribution obtained through discrete cores and log
data from the wells in the Otway basin.5 The results of
the characterization can be used to run detailed flow
simulations. However, the relative permeability for
various types of rock, which is essential in modeling
the multiphase flow for reservoirs, was not measured in
their studies. To improve our understanding of
multiphase flow and CO2 trapping in saline aquifers,
the relative permeabilities to CO2/brine systems from
the core flooding experiment at different depths or for
different types of rocks from Paaratte formation are
needed. The relative permeability curves to CO2/brine
fluids used in flow transport modeling has a significant
effect on predicting the footprint of CO2 plumes,
pressure variations, and overall CO2 storage in a
reservoir.6–9

Measurements of relative permeability to CO2/brine
systems were only carried out from the earlier 2000s.
Bachu and Bennion reported the relative permeability
measurements to CO2/brine systems at in-situ
conditions for sandstone, carbonate, shale, and

Anhydrite rocks.10 For the drainage process, a low
endpoint value was observed: the average CO2 relative
permeability at maximum CO2 saturation was 0.269,
and the average maximum CO2 saturation was 50%.10

Later, Bachu reported 16 more relative permeability
test results for sandstone rocks,11 showing that there
was no correlation between porosity and pore size
distribution, and no clear correlation could be found
between relative permeability characteristics and
petrophysical rock properties, although the irreducible
brine saturation broadly increased with the absolute
permeability. It should be noted that in-situ pressure,
temperature, and salinity were used for each test on the
rock sample in the setup reported by Bachu and
Bennion10 and Bachu,11 which means these conditions
were different for each test, and it is difficult to separate
their effects on relative permeability. Apart from the
work of Bennion and Bachu10 and Bachu,11 most
measurements were done for Berea and a few other
types of sandstone.12–14

While the two-phase flow depends on the
morphology of the rock at pore scales, it also depends
on viscosity ratio, and capillary number, which is the
dimensionless measure of the ratio of viscous force to
interfacial force across the interface between two
fluids.15 Therefore, the interfacial tension and viscosity
ratio have an impact on the relative permeability. Pini
and Benson studied experimentally the capillary
pressure and relative permeability curves of Berea
sandstone using different fluid pairs (gas CO2/water,
gas N2/water, and supercritical CO2/brine), which
represented cases with different interfacial tension
(achieved with different pressures) and kept a similar
viscosity ratio between the fluid pairs.12 Their results
showed that the capillary pressure was affected by the
interfacial tension consistently, that is, the capillary
entry pressure used in the Brooks–Corey equation
increased with the increase of interfacial tension. The
relative permeability curves obtained from the drainage
process were similar at different interfacial tensions,
suggesting no significant effects of the interfacial
tension on the relative permeability curves. However,
an earlier experimental work of Bachu and Bennion
suggested that the interfacial tension can have an
impact on the relative permeability curve. Specifically,
the endpoint values of the CO2 relative permeability
decreased with the increase of interfacial tension, and
the irreducible water saturation increased with the
increase of interfacial tension (for drainage).16 Still, the
viscosity also varied along with varying interfacial
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tension in their studies.16 Jeong et al.14 found that the
CO2 and brine relative permeability increases with the
increase in viscosity ratio (viscosity of CO2 to viscosity
of water), and the residual brine saturation increased
(relative permeability curves moved from low to high
brine saturation) with increases in interfacial tension.
Their findings on the effect of interfacial tension
supported those of Bachu and Bennion.16 For the effect
of interfacial tension, they suggested that the adhesive
force between immiscible fluids and porous media was
larger with greater interfacial tension. Hence, water was
more difficult to flow out during drainage, which
results in more residual brine saturation in the rock.
An increase in CO2/brine viscosity ratio may lead to
CO2 flowing through the large pore neck (for
water-wet sandstones) and hence an increase in CO2
relative permeability.14 The increase of brine relative
permeability was attributed to lower viscosity of the
brine used in the test by Jeong et al.,14 with water
flowing more easily. Since the pressure and
temperature have a direct impact on the fluid
properties, such as density, viscosity, and interfacial
tension, the relative permeability results can hence be
affected as well. For example, Liu et al. obtained the
permeability curve for the CO2/brine system on Berea
sandstone by varying pressure from 8.27 to 17.9 MPa
and temperature from 19 to 38°C.17 Their results
showed that pressure had a strong effect on relative
permeability, as the endpoint relative permeability
increased from 32.4 to 46.8%.17 Therefore, to reflect the
CO2/brine flow in real reservoir conditions, it is
important to perform the core flooding experiments at
the in situ pressure and temperature conditions for the
studies of natural reservoirs.

For the relative permeability measurement in Paaratte
formation, Krevor et al. reported the relative
permeability and residual trapping data for the CO2
and brine in a Paaratte sandstone collected at 1400 m,
and at a temperature of 50°C, a fluid pressure of 9 MPa,
and a confining pressure of 11.7 MPa.13 Although the
studied Paaratte sandstone has several low porosity
beddings perpendicular to the flowing direction, the
relative Paaratte sandstone showed general similarity
with the homogenous Berea sandstone in their
studies,13 and therefore, they suggested that the bulk
rock properties dominate local heterogeneities in this
case. As mentioned above, the controls on temperature
and pressure can affect the dynamics in the core
flooding. Temperature, fluid pressure, and confining

pressure in Krevor et al.13 are smaller than those
prevalent at reservoir conditions, that is, T = ∼ 60°C,18

and P = ∼13–14 MPa (estimated from the pressure
gradient of 9.56 MPa km−1 in Otway Basin19), and the
confining pressure Pconf = ∼ 32 MPa (estimated from
the average vertical stress gradient of 21.45 MPa/km20).
Later, Reynolds21 also reported the site-specific relative
permeability for a homogenous Paaratte sandstone
collected at a depth of 1498.5–1498.8 m from the
CRC-2 well with relevant temperature and fluid
pressure for the sites (T = 63°C and P = 12.5 MPa)
with both drainage and imbibition tests conducted in
her PhD thesis.21 The confining pressure in the test was
reported to be 3–5 MPa above the pore pressure, which
was also smaller than the in situ confining pressure. It
is possible that the effective stress can have an impact
on the relative permeability results as well, according to
experimental studies on oil/water relative
permeability.22 Hence, it is better to use the in situ
confining pressure for the measurement of the
CO2/brine relative permeability for the Paaratte
formation.

It was found that only a few tests were reported for
the Paaratte sandstone in the literature, and these tests
are for the cores with high absolute permeability (i.e.,
permeability > 1 Darcy).13,21 Although the Paaratte
formation is generally considered to have high absolute
permeability, different Paaratte formation facies at
different depths can have different permeabilities
ranging from 0.01 millidarcy (mD) up to serval Darcy
(D).5,23 Since the relative permeability was highly
site-specific and depended on the rock types,11 the
study of the relative permeability of CO2/brine flow for
different types of rocks can potentially help to develop
a detailed reservoir model for monitoring the CO2
plume during and after injection. In this work, we aim
to measure, for the first time, the relative permeability
of three sandstones with different absolute
permeability, obtained at various depths from the
lowermost unit of Paaratte formation with core
flooding experiments under realistic reservoir
conditions. The relative permeability curves are
calculated using the Johnson, Bossler, and Naumann
(JBN) methods24 and the history matching method in
this work. Mercury intrusion capillary tests are also
performed to obtain the pore size distribution and the
capillary pressure curves, which can be used to
characterize the pore structures for different rocks. The
results will help in improving our understanding of
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Table 1. The properties of raw sample cores from CRC-3 well.

Raw
sample
No. Tray No.

Start
depth (m)

End depth
(m) Rock type Diameter (mm)

Length
(mm) Depositional facies

1 CRC3-Tray
14

∼1470.92 ∼1471.02 Cross-bedded
fine-grained sandstone

68 100 Distal mouthbar

2 CRC3-Tray
19

∼1487.00 ∼1487.10 Laminated sandstone 69 80 Proximal mouthbar

3 CRC3-Tray
22

∼1495.27 ∼1495.38 Massive fine-grained
sandstone

70 105 Proximal mouthbar

multiphase flow in different rock types for the Paaratte
formation.

Experimental methods
Rock samples
The rock samples were collected from the CRC-3 well
at various depths of the lowest unit of the Paaratte
formation from the Otway project. Details of the rock
samples are given in Table 1. The rock samples were
cored into cylinders for core flooding tests with a
diameter of 25 mm and a length of ∼38–68 mm. The
locations, dimensions, and porosity of the samples are
listed in Table 2, where the number in the core sample
name refers to the raw sample number in Table 1, and
the letter indicates the coring direction, that is, V for
vertical, and H for horizontal. The porosity of the core
samples was obtained by using an automatic porosity
and permeability measurement apparatus (Model
TCKS-400). There are five facies as follows: delta front,
distal mouthbar, proximal mouthbar, distributary
channel, and carbonated-cemented sandstone, for the
lowest unit of the Paaratte formation.4,5 Based on the
depositional facies log for CRC-3 well,5 sample 1
belongs to the distal mouthbar, and samples 2 and 3 are
proximal mouthbar (Table 1). The distal mouthbar is a
mud-rich section, which consists of fine-interbedded
silts and fine-grained sandstones, while the proximal
mouthbar is mainly the moderately-sorted to
well-sorted, fine-grained sandstones.4

Measurement of capillary pressure curves
The capillary pressure–saturation curves were
measured by conducting the mercury injection
capillary pressure (MICP) tests using a Micrometritics
Autopore IV. The capillary pressure value can be

Table 2. The dimensions of the core samples and
the injection rate used for core flooding test.

Core
sample
name

Diameter
(mm)

Length
(mm)

Injection rate
at drainage
(mL min−1)

1V 25 67.5 1

1H 25 44.5 5

2V 24.5 38.2 10

2H 25 47.2 -∗

3V 24.2 66 10

∗Core 2H was not tested for relative permeability.

converted from Hg/vacuum pair fluids to CO2/brine
pair using the following equation25:

Pc,cb = γcb cosθcb

γhv cosθhv
Pc,hv (1)

where Pc is the capillary pressure; γ is the interfacial
tension, and θ is the contact angle. The subscripts hv
and cb refer to the Hg/vacuum system and the
CO2/brine system, respectively. Here, the contact angle
for the CO2/brine (or water) system is assumed to be
the same as the value in the mercury/vacuum system,
as suggested in Krevor et al.13. For the values of
interfacial tension, γ cb = 30.5 mN m−1 (at T = 60°C
and P = 14 MPa) and γ hv = 485 mN m−1 were used.
The interfacial tension of CO2/brine here was obtained
from the interfacial tension of CO2/water at relevant
temperature and pressure,26 since a low salinity brine
(800 ppm) was used in this work.

Core flooding test
The absolute permeability was measured for all cores,
while the Cores 1V, 1H, 2V, and 3V were subjected to
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Figure 1. A schematic diagram of the core flooding experiment setup.

the relative permeability measurement. A schematic
diagram of the setup of the core flooding experiment is
given in Fig. 1, which is based on the multifunctional
core flooding facility for high-pressure and
high-temperature conditions (Model TC-2). The setup
can maintain a temperature between 25 and 150°C and
pressure from 0 to 70 MPa. Three types of fluids were
used in the core flooding experiments: CO2-saturated
brine, brine-saturated CO2, and dead brine (brine with
no dissolved CO2). A brine salinity of 800 ppm (NaCl)
was used since such salinity was found in the
formation.18,27 The dual-pump injection system,
combined with fluid bottles, provided a continuous
injection of the fluid into the core holder. The
temperatures of the injected fluids and the core holder
were controlled in the oven, as shown in Fig. 1.
Pressure transducers were used to record the pressure
of the fluids at the inlet and outlet of the core holder,
and the data were collected by a computer in real-time.
The confining pressure of the core sample was
automatically controlled with a pump. A back-pressure
regulator, along with a hydraulic pump, was used to
control back pressure at the outlet. The fluids
eventually passed through a two-phase (gas–liquid)
separator, and CO2 then flowed into a sealed flask with
a stopper and a tube to a beaker. The beaker was placed
on top of an electronic scale (with a measurement
uncertainty of 0.0001 g). However, since the pressure
was not controlled in the two-phase separator and the

mass of CO2-induced water reached the upper limit of
the electronic scale quickly, this setup could only be
used to measure the CO2 break-through time, that is,
up to when CO2 started to flow out during the drainage
process. The brine from the two-phase separator was
collected and its weight measured as a function of time,
using an electronic balance (with a measurement
uncertainty of 0.001 g), which was connected to a
computer for data logging.

The core samples were dried at 100°C for at least
overnight before the core flooding test. A dried core
sample was wrapped with aluminum foil and
heat-shrinkable Teflon and then placed in a Viton
rubber sleeve. The aluminum foil was used to prevent
the corrosion of the rubber sleeve from CO2. After
placing the core sample inside the core holder, the
vacuum was performed overnight to extract the air out
of the core sample. For the core flooding test, the
temperature was kept at 60°C based on the thermal
profile of the CRC-2 well, which was assumed to be
similar to the thermal profile of the CRC-3 well.18 The
confining pressure was calculated from the average
vertical stress gradient (21.45 MPa km−1) at the Otway
Basin, as measured in Vidal-Gilbert et al.20 since the
rock samples were obtained at a depth between 1470 m
and 1500 m. The average pore pressure gradient was
estimated to be 9.56 MPa km−1 from the well data at
the Otway Basin,19 and hence, pore pressures could be
calculated accordingly. Therefore, an average confining
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pressure Pconf of 32 MPa and an average back pressure
Pback of 14.2 MPa were used for all cases.

Once the vacuum process was completed, the
injection of dead brine started. The temperature T was
set at 60°C during the injection. Pconf and Pback were
increased gradually to the experimental values, that is,
Pconf = 32 MPa and Pback = 14.2 MPa, during the brine
injection. At least five pore volumes of the dead brine
were injected to saturate the core at the targeted
temperature and pressure. At this stage, the absolute
brine permeability was measured accordingly.
Afterward, at least five pore volumes of the
CO2-saturated brine were injected to the core at a
constant rate to saturate the core and prepare for the
drainage test.

Next, the brine-saturated CO2 was injected into the
core at a constant rate. The injection rate was also listed
in Table 2. Different injection rates were applied to
ensure a relatively large pressure drop and a low
capillary number Ca = vμ/γ < 106, where v is the
Darcy’s velocity, μ is the viscosity of the fluid, and γ is
the interfacial tension. The volume of effluent brine
and the differential pressure were recorded in
real-time. The injection of brine-saturated CO2 was
completed when there was no more effluent brine. At
the end of the experiment, the weight of the core
sample was measured to verify the endpoint saturation
for the drainage test. The JBN methods24 were used to
calculate the relative permeability to brine and CO2,
that is, krb and krco2 at the outlet face of the core, as:

krb
(
Sco2, o

) = fb

d
(

1
WinIR

)
/d (1/Win)

, (2)

krco2

(
Sco2,o

) = fco2μco2 kr, b

fbμb

=
(
1 − fb

)
μco2 kr, b

fbμb
, (3)

where Win is the cumulative volume of injected CO2
divided by pore volume; μb and μco2 are the viscosity
of brine and CO2, respectively; fb and fco2 are the
fractional flow of brine and CO2 at the outlet face of
the core, respectively; IR is the relative injectivity; Sco2,o
is the CO2 saturation at the outlet face of the core. fb,
IR, and Sco2,o can be calculated from the following
equations:

fb = dSco2, ave

dWin
= dWb, out

dWin
, (4)

IR = qin/�P
(qin/�P)i

, (5)

Sco2,o = Sco2, ave − Win fb, (6)

where Sco2,ave is the average CO2 saturation in the core;
Wb,out is the cumulative volume of the produced brine
in pore volume; qin is the flow rate of the injection; �P
is the pressure drop across the core sample; (qin/�P)i
indicates the value of (qin/�P) at the start of injection.
The brine saturation Sb can be calculated Sb = 1 −
Sco2,o. The viscosity of brine at high pressure and
temperature was assumed to be the same as that of
water, and the viscosity of water and CO2 were
obtained from Lemmon et al.28 The weight of the
produced brine was converted to the cumulative
volume of the produced brine Wb,out. The reading of
the balance for the produced brine was recorded in
real-time. Hence, the recorded mass of brine was not
always balanced out, and sometimes a greater mass was
observed due to the impact force from the effluent
brine, with the reading subsequently dropping to a
balanced value. Those unbalanced readings were
considered as the outliers and removed manually from
the data, which allows more accurate differentiation of
the raw data in Eqn (4). A linear function was used to
fit (1/WinIR) as a function of (1/Win), and a constant
slope was used in the calculation of Eqn (2). The void
volume in the tube and pressure transducers, which
could store excess brine, was taken into account. In the
core flooding experiment, the brine in tubes at the
upstream (before the inlet face of the core) could be
removed using the vacuum pump when turning off the
valves at the inlet face of the core and near the fluid
bottles before injecting CO2. The brine volume in the
downstream tube and pressure transducer could not be
vacuumed due to the limitations of the setup. The void
volume of the downstream tubes and pressure
transducer was estimated by pumping air into the tube
filled with water, which is ∼7.5 mL. Since we observed
that the CO2 flowed out at a time when most of the
brine had been displaced, it was assumed that the
initially produced brine volume of ∼7.5 mL was not
included in the calculation.

The JBN method has been developed for
homogenous rock and incompressible fluids, and it
does not consider capillary-end effects. Hence, the
history matching method is also applied and compared
with the JBN method. The history matching method is
a numerical procedure for simulating a
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one-dimensional core flooding test, under given
physical properties of the rock (e.g., dimensions,
porosity, and absolute permeability), as well as the
relative permeability and capillary pressure curves. It is
possible to adjust parameters of relative permeability
models to back fit numerical predictions to historical
records of brine production and pressure drop data
during the experiments, hence generating estimates of
the relative permeability of the cores. The MATLAB
Reservoir Simulator Toolbox (MRST), which is an
open-source reservoir modeling code, was used for
modeling the core flooding test.29 It has been shown in
Manasipov and Jenei30 that MRST is capable of
reproducing the core flooding results from the
well-known simulators, for example, Sendra, CYDAR,
PORLAB, and Scores. The capillary pressure curve
obtained from the MICP test is also an input of the 1D
core flooding model based on a fitted exponential
function. The relative permeability curves are
described by the Corey functions:31

krb = (Seff )Nb, (7)

krco2 = krco2 (Sbi) (1 − Seff )Nco2 , (8)

Seff = Sb − Sbi

1 − Sbi
, (9)

where Sb is the brine saturation, and Seff is the effective
brine saturation; Sbi is the irreducible brine saturation;
krco2 (Sbi) is the relative permeability at Sbi; krco2 (Sbi),
Nb, and Nco2 are the adjusted parameters in the history
matching method. The optimization can be done
manually or automatically. In this study, the
optimization is done through MATLAB nonlinear
optimization algorithm, by finding the minimum of the
objective function g:

g = 1
2

N∑
i

⎛
⎝
(

�Psim
i − �Pexp

i

�Pexp
i

)2

+
(

Qsim
bp, i − Qexp

bp, i

Qexp
bp, i

)2
⎞
⎠,

(10)

where �Psim
i and �Pexp

i are the simulation and
experimental pressure drop across the core at different
times, respectively; Qsim

bp, i and Qexp
bp, i are the simulation

and experimental brine production at different times,
respectively; N is the number of experimental data
points that are used in history matching.

Results and discussion
The average and median pore diameters measured in
the MICP tests are reported in Table 3. The median
pore diameter is calculated as the pore diameter at 50%
of the intruded mercury volume. It can be seen from
Table 3 that this varies from ∼2 to ∼ 46 μm for the
three tested samples. The median pore diameter of
sample 1 is close to the average pore diameter, while
those of samples 2 and 3 are much larger than their
averages. In general, both average and median pore
diameters increase from sample 1 to 3, and sample 1
has the smallest average and median pore diameters
among the three samples. The log differential intrusion
volume plots, that is, dVn/dlog(D) against D, are also
shown in Fig. 2(a) for the three samples, where Vn is
the normalized intrusion volume, and D is the diameter
of the pore. The dVn/dlog(D) is used for the pore size
distributions of the tested samples as the diameter of
the pore is plotted at the logarithm scale, although it
emphasizes the macropores region.32,33 Samples 1 and
2 have micropores (less than 1 μm), as shown in
Fig. 2(a). Besides, sample 2 has a smaller pore size than
sample 1, but it also has a larger spread than sample 1.
Hence, sample 2 covers a broad range of pore sizes
from 0.05 to 350 μm (Fig. 2(a)). A peak is observed at
the large pore region (21 μm) for sample 2. Sample 3
has the largest pores among the three samples, and
most pores of sample 3 have a diameter between 2 and
350 μm. The capillary pressure against the vacuum
saturation, that is, 1 – SHg, where SHg is the mercury
saturation calculated by the ratio of injected mercury at
each pressure to the total injected mercury, as shown in
Fig. 2(b). It is assumed that mercury can access all of
the pores of the tested rock sample, and hence the zero
vacuum saturation is observed at the end. The capillary
pressure presented here is converted for the CO2/brine
system using Eqn (1). In general, the sample with a
larger average and median pore diameters has a lower
capillary pressure at a specific saturation value.

The porosity and absolute brine permeability of the
core samples are reported in Table 3. The absolute
permeability varies widely for the tested samples, even
if all samples are identified as sandstones with a
relatively large porosity (above ∼ 25%). For example,
Core 1V has the smallest permeability (0.11 mD), and
Core 3V has the largest permeability (330 mD). In
general, the pore diameter and the pore size
distribution have a significant effect on the absolute
permeability,34 which is also observed from our results.
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Table 3. The average and median pore sizes of the tested samples measured by MICP and the absolute
brine permeability and porosity of the core samples.

Sample
No.

Average
pore

diameter
(μm)

Median pore
diameter (μm)

Core
sample
name

Brine
permeability

(mD) Porosity (%)

1 1.93 5.5 1V 0.11 26

1H 0.55 24.8

2 3.51 25.3 2V 3.34 29.1

2H 292 29.6

3 45.8 137.4 3V 330 34.6

Figure 2. (a) The log differential intrusion volume (normalized) against the diameter of the
pore at the logarithm scale; (b) capillary pressure (at the logarithm scale) against vacuum
saturation obtained from MICP test and converted for CO2/Brine systems using Eqn (1).
The pore size distribution and capillary pressure data are reported in Sections S1 and S2
in Supporting Information.

If we only consider the vertical cores, there is a positive
correlation between the pore diameter and absolute
permeability (Fig. 3). The permeability of samples in
different directions can vary. While the absolute
permeability of Core 1H is five times that of Core 1V,
the absolute permeability of Core 2H is two orders of
magnitude greater than that of Core 2V. The large
difference in absolute permeability between Cores 2V
and 2H may be attributed to the fact that they are
laminated sandstones with multiple bedding layers in
the vertical direction (Table 1). Overall, the vertical
permeability is smaller than the horizontal one, which
is consistent with the literature.35

The relative permeability results from the JBN
method and the history matching method are
compared in a semilog plot (Fig. 4). The final
parameters of the relative permeability model
calculated from the history matching method are given

Figure 3. The absolute permeability against the average
and median pore diameters.
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Figure 4. The relative permeability curves at different brine saturation (Sb) for
Cores: 1V, 1H, 2V, and 3V, obtained from both JBN and history matching
methods. The JBN relative permeability data in this work are reported in Section
S3 in Supporting Information.

Table 4. The final parameters of the Corey
functions for relative permeability curves
calculated from the history matching method.

Core
sample
name

Irreducible brine
saturation Sbi krco2(Sbi) Nco2 Nb

1V 0.265 0.4836 1.1 1.279

1H 0.430 0.6144 5.525 1.201

2V 0.414 0.9986 9.879 1.757

3V 0.398 0.2875 4.580 2.713

in Table 4. The brine relative permeability curves
calculated from the history matching method are
generally greater than those calculated from the JBN
method, although the brine relative permeability
results of Core 3V calculated from both methods are
quite similar for Sb < ∼ 0.7. The CO2 endpoint
permeability values calculated from the history
matching method are greater than those calculated
from the JBN method. The difference in the relative
permeability curves between the two methods is
probably caused by the fact that the effects of
compressibility of the CO2 phase are not considered in
the JBN method. Although CO2 is at its supercritical
state in the experiments considered here, it is still
compressible, and its viscosity can change at different
fluid pressures. All in all, it seems that the JBN method
is not able to capture the CO2 relative permeability

curves accurately since all the curves are relatively flat
and quite similar for the different cores. The CO2
relatively permeability curves from the history
matching method appear to better describe the
multiphase flow behavior in the tested cores. The Core
3V has the smallest CO2 endpoint relative permeability
among the tested cores. If one focuses on the results of
the history matching method, Core 1V has the highest
brine relative permeability curves, followed by Core
2H, Core 2V, and then Core 3V. A similar trend can be
observed from the JBN results as well except that the
brine relative permeability of Core 3V is higher than
that of Core 2V. The difference in relative permeability
curves between Core 1V and 1H can be due to the
subcore heterogeneity and lamination of the rock.36

The brine relative permeability of both Cores 1V and
1H are generally greater than those of Cores 2V and
3V, which can be observed from both the JBN and
history matching method. The results suggest that the
relative permeability of rocks with a higher proportion
of micropores is higher than those with more
macropores, which means the Cores 1V and 1H can
have better brine and CO2 connectivity than Cores 2V
and 3V. Water can possibly flow through corners of the
pores in the water-wet rock, which is known as the
corner flow phenomenon.37 Hence, if the Cores 1V and
1H have more small pores and better grain connectivity
than Cores 2V and 3V, the corner flow could be why
they have a greater brine relative permeability.
Although Core 2V (sample 2) has low absolute
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Table 5. The absolute permeabilities, irreducible brine saturation, and fitted parameters of the core
samples for the results from the JBN method.

Core sample
name

Brine
permeability

(mD)

Irreducible
brine

saturation Sbi krco2(Sbi)
′

Nco2

′
Nb

′

95%
Confidence
bounds of

Nb R2 for krb

1V 0.11 0.265 0.145 30.5 3.5 [2.96, 4.07] 0.76

1H 0.55 0.430 0.135 21.9 2.11 [1.9, 2.32] 0.94

2V 3.34 0.414 0.106 38.4 6.39 [5.38, 7.4] 0.70

3V 330 0.398 0.166 47.0 5.57 [4.13, 7.02] 0.39

permeability and a small number of micropores, it has
a broad spread of pore size distribution and contains
macropores. The majority of pores in sample 1 are in
the range between 0.2 and 20 μm, and most of them
are micropores (Fig. 2(a)). It should be recalled that
sample 1 belongs to the distal mouthbar facies, and
samples 2 and 3 are from proximal mouthbar facies.
The results suggest that there is a clear difference in the
relative permeability curves between distal mouthbar
and proximal mouthbar facies.

For further comparison of the results between the
JBN method and the history matching method, the
results of the JBN methods are fitted with the
Brooks–Corey equations:13,31

krb, bc = (S eff )N ′
b , (11)

krco2, bc = k′
rco2

(Sbi) (1 − Seff )2(1 − (Seff )N ′
co2 ), (12)

where Sb and Seff are the brine saturation and effective
brine saturation (see Eqn (9)), respectively; krco2

′(Sbi) is
the relative permeability at irreducible brine saturation
Sbi; Nb

′ and Nco2

′ are fitting parameters. It should be
noted that the irreducible saturation can be related to
the achievable capillary pressure in the experiments.
Here we assume that the endpoint saturation obtained
from the experiments is the irreducible brine
saturation. Hence, krco2

′(Sbi) is considered as a fitting
parameter as well, unlike in Krevor et al.13 where it was
assumed to be 0.95, and the values of the fitting
parameters are reported in Table 5. The fitting curves
are plotted as the dashed lines in Fig. 5 and compared
with the curves obtained from the history matching
method (solid lines). It should be noted that the
Brooks–Corey equations do not fit well for the brine
relative permeability curve of Core 3V, with a low R2

value of 0.39. The R2 values for fitting the
Brooks–Corey equation to the CO2 relative

permeability are negative, suggesting that the
Brooks–Corey equation (Eqn (12)) does not provide a
good description of the experimental CO2 relative
permeability. Hence, the fitted values krco2

′(Sbi) and
Nco2

′ are not meaningful here. This may be due to the
calculation errors in the JBN method. The fitted
parameter for brine relative permeability (Nb

′) is more
relevant, and the 95% confidence interval of Nb

′ is
provided in Table 5. All the cases have a brine
saturation around 0.4, except for Core 1V, which has an
irreducible brine saturation of 0.265. It should be noted
that the fitted equation of brine relative permeability
(Eqn (11)) is the same as the brine relative permeability
model used in the history matching method (Eqn (7)).
Although the curves are different, both fitted
parameters Nb

′ (see Table 5) and the final history
matching parameters Nb (see Table 4) tend to increase
with the increase of the pore size of the core samples.
The results indicate that the JBN method can also
capture the changes in the flow behavior of brine due to
the variations of the microstructures to a large extent.
However, the JBN method cannot obtain the relative
permeability curves accurately. From the results of the
history matching method, there is no correlation
between the average pore size and the endpoint relative
permeability, nor between the average pore size and
endpoint saturation. The endpoint saturation can be
related to the heterogeneity of the rock or the
achievable capillary pressure during the
experiments.13,38 Core 3V has a relatively low endpoint
permeability. The low endpoint relative permeability
can be limited due to the experimental conditions, and
it may also be challenging to achieve the real
irreducible brine saturations in reservoir
conditions.21,39

Krevor et al. carried out a steady-state core flooding
test for CO2/water systems at 50 °C and a pore pressure
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Figure 5. The relative permeability curves with the fitted curves (dash line) at different
brine saturation (Sb) for the results calculated from the JBN method and compared with
the results of the history matching method (solid lines).

of 9 MPa with X-ray computed tomography techniques
for four types of rocks.13 One of the rocks was obtained
at a depth of 1400 m from Paaratte sandstone
formation,13 which is at a similar depth for the cores we
tested in this work. Reynolds21 also applied a similar
experimental design as reported in Krevor et al.13 to
measure the relative permeability of a homogenous
Paaratte sandstone core obtained from CRC-2 well at a
depth of 1498.5–1498.8 m at in situ temperature and
pressure: T = 63 °C and P = 12.5 MPa.21 The Paaratte
sandstone in Krevor et al.13 has a porosity of 28.3% and
an absolute permeability of 1156 mD, while the
Paaratte sandstone in Reynolds21 has a porosity of 28%
and an absolute permeability of 2328 mD. The high
absolute permeability values imply that the tested
samples may carry many macropores. Through X-ray
measurements, Krevor et al. 13 found that there were
three low-porosity bedding planes perpendicular to the
flow direction for the tested Paaratte sandstone core.
For comparison purposes, those measures from Krevor
et al.13 and Reynolds21 are plotted and compared with
the results in this work (calculated from history
matching method) in Fig. 6. The relative permeability
curve to water from Krevor et al.13 is smaller than the

relative permeability curve for Core 3V over a large
range of brine (or water) saturation, but the trend is
quite similar. The CO2 relative permeability from
Krevor et al.13 is greater than that of Core 3V, while
their endpoint values are quite similar. The similarity
in the brine (or water) and CO2 relative permeability
curves suggests that the sandstone from Paaratte
formation with relatively large macropores (or high
absolute permeability) may have similar behaviors
when flooding CO2 into the formation.

Reynolds performed the core flooding at two
different total injection rates, that is 20 and 2 mL
min−1, referred to as viscosity-limited and
capillarity-limited conditions.21 The brine relative
permeability with an injection rate of 20 mL min−1 is
similar to that of Kervor et al.13 and those of Core 3V,
but the CO2 relative permeability is slightly lower.
When comparing the two injection cases of Reynolds’s
work, it seems the relative permeability curves moved
from low to high brine saturation, with the decrease of
the total injection rate. This suggests that the lower
irreducible brine saturation can be achieved at a higher
injection rate for homogenous Paaratte sandstone, but
their relationship also depends on the local
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Figure 6. The relative permeability curves at different brine saturation (Sb) for
Cores: 1V, 1H, 2V, and 3V, obtained from the history matching method. The
relative permeability curves for Paaratte formation at a depth of ∼1400 m (Krevor
et al.13) and at a depth of ∼ 1500 m are shown for comparison (Reynolds21),
where qt in the legend is the total injection rate for both fluids.

heterogeneities in the core.21 In addition, low CO2
endpoint relative permeability was observed in both
injection scenarios and in Core 3V as well. It was also
pointed out and verified by Kervor et al.13 that the low
endpoint relative permeability and irreducible brine
saturation were limited by the capillary pressure
achieved in the experiment and may not reflect the real
endpoint values. Those low CO2 permeability values
obtained in Core 3V and in Reynolds21 may suggest
that low CO2 injectivity can be achieved during the
injection in the high permeable region in Paaratte
formation.6

In this work, the unsteady-state core flooding test was
performed, and the one-dimensional core flooding
model was carried out to obtain the relative
permeability by assuming the core is homogenous.
More precise experimental studies are needed to obtain
the relative permeability more accurately by
considering the rock heterogeneity in the future.
Besides, one can utilize X-ray imaging to obtain the
local in-situ heterogeneity information of the rock
during the experiment, such as capillary heterogeneity.
This can help in better understanding how
heterogeneity affects multiphase flow and relative
permeability behavior in a more general case. Krause
et al. developed a method to accurately characterize the
rock heterogeneity with a 3D core flooding numerical
model,40 and it has been used to study the effect of
flow-rate on both effective relative permeability

(core-averaged property) and characteristic relative
permeability (local property assigned to the voxels in
the model).41 Their results suggest that using a 3D
heterogeneous model can generate more accurate
estimates of the characteristic relative permeability for
heterogenous rock, compared to the one-dimensional
homogenous models, given that the 3D model has an
accurate permeability distribution as an input. Later,
Jackson et al. also extended the characterization
methods to calibrate the 3D model with multiple
fractional flow and multiple flow rate experiments to
improve the accuracy of the model.42 After calibration,
the model was applied to obtain the effective relative
permeability over a wide range of capillary numbers.
The experimental work reported here is limited by the
current experimental setups and can only measure the
relative permeability for the bulk core. The use of X-ray
imaging techniques for measuring the local liquid
saturation in the steady-state core flooding
experiments can be considered in the future to
accurately determine the multiphase flow properties of
the heterogenous rock.

Conclusion
Mercury injection capillary pressure tests and
nonstationary core flooding tests were performed to
measure the capillary pressure, pore size distribution,
absolute brine permeability, and relative permeability
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of different types of sandstones in the Paaratte
formation, at a depth that is relevant to the injection of
CO2 in the CO2CRC Otway project. Different pore size
distributions and absolute permeability were observed
from the three types of rock at near-reservoir
conditions. The average pore size has been found to
vary from 1.93 to 45.8 μm, and the absolute
permeability varies between 0.11 and 330 mD. There is
a positive correlation between the median pore
diameter (and average pore diameter) and absolute
permeability. The JBN method cannot obtain the
relative permeability curves for CO2 and brine
accurately due to its simplifications and assumptions.
The sandstone with a large fraction of macropores
(with an average pore size of 45.8 μm) follows a trend
of brine relative permeability curve similar to those
reported in the literature.13,21 However, the brine
relative permeability of the sandstone with a large
fraction of micropores (with an average pore size of
1.93 μm) is higher than that of the highly permeable
Paaratte sandstones (permeability > 1 Darcy) reported
in the literature.13,21 In addition, relatively low
endpoint values of the CO2 relative permeability are
observed for Core 3V and the Paaratte sandstone
reported in the literature,13,21 and these values may
dominate the CO2 flow during and after the injection.
However, relatively large endpoint permeability values
are found in Cores 1V, 1H, and 2V, and there is no
correlation between the endpoint permeability values
and the average pore sizes of the tested samples. The
new relative permeability data for the Paaratte
formation, specifically, for the distal mouthbar and
proximal mouthbar facies in the Paaratte formation,
can be used in reservoir simulations to evaluate and
predict the pressure buildup in the reservoir and the
movement of CO2 plume during and after injections,
as well as CO2 storage capacity.
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